Edgar Filing: ENCORE ACQUISITION CO - Form 10-K

ENCORE ACQUISITION CO
Form 10-K
March 11, 2004



Edgar Filing: ENCORE ACQUISITION CO - Form 10-K

Table of Contents

UNITED STATES SECURITIES AND EXCHANGE COMMISSION

Washington, D.C. 20549

Form 10-K

b ANNUAL REPORT PURSUANT TO SECTION 13 OR 15(d) OF THE SECURITIES EXCHANGE ACT OF
1934

For the fiscal year ended December 31, 2003

Encore Acquisition Company

(Exact name of registrant as specified in its charter)

Delaware 001-16295 75-2759650
(State or other jurisdiction (Commission (IRS Employer
of incorporation) File Number) Identification No.)
777 Main Street 76102
Suite 1400 (Zip Code)
Fort Worth, Texas

(Address of principal executive offices)

Registrant s telephone number, including area code:
(817) 877-9955

Securities registered pursuant to Section 12(b) of the Act:

Title of each class Name of each exchange on which registered

Common Stock New York Stock Exchange
Securities registered pursuant to Section 12(g) of the Act:

None

Indicate by check mark whether the registrant (1) has filed all reports required to be filed by Section 13 or 15(d) of the Securities Exchange
Act of 1934 during the preceding 12 months (or for such shorter period that the registrant was required to file such reports), and (2) has been
subject to such filing requirements for the past 90 days. Yes p No o

Indicate by check mark if disclosure of delinquent filers pursuant to Item 405 of Regulation S-K is not contained herein and will not be
contained, to the best of Registrant s knowledge, in definitive proxy or information statements incorporated by reference in Part III of this
Form 10-K or any amendment to this Form 10-K. o

Indicate by check mark whether the registrant is an accelerated filer (as defined in Exchange Act Rule 12b-2)  Yes p Noo

Table of Contents 2



Edgar Filing: ENCORE ACQUISITION CO - Form 10-K

Aggregate market value of the voting and non-voting common stock
held by non-affiliates of the Registrant as of June 30, 2003 (the last
business day of Registrant s most recently completed second fiscal

quarter $222,980,532
Number of shares of Common Stock, $0.01 par value, outstanding as of
February 27, 2004 30,403,189

DOCUMENTS INCORPORATED BY REFERENCE

Parts of the definitive proxy statement for the Registrant s annual meeting of stockholders to be held on April 29, 2004 are incorporated by
reference into Part III of this report on Form 10-K.

ENCORE ACQUISITION COMPANY

2003 ANNUAL REPORT ON FORM 10-K

TABLE OF CONTENTS
Page
PARTI1
Items 1 and 2. Business and Properties 2
Item 3. Legal Proceedings 16
Item 4. Submission of Matters to a Vote of Security Holders 16
PART II
Item 5. Market for Registrant s Common Equity and Related Stockholder Matters 17
Item 6. Selected Financial Data 18
Item 7. Management s Discussion and Analysis of Financial Condition and Results of
Operations 19
Item 7A. Quantitative and Qualitative Disclosures About Market Risk 43
Item 8. Financial Statements and Supplementary Data 48
Item 9. Changes in and Disagreements with Accountants on Accounting and Financial
Disclosure 79
Item 9A. Controls and Procedures 79
PART III
Item 10. Directors and Executive Officers of the Registrant 79
Item 11. Executive Compensation 80
Item 12. Security Ownership of Certain Beneficial Owners and Management and
Related Stockholder Matters 80
Item 13. Certain Relationships and Related Transactions 80
Item 14. Principal Accountant Fees and Services 80
PART IV
Item 15. Exhibits. Financial Statement Schedules. and Reports on Form 8-K 81

First Amendment to Credit Agreement
Second Amendment to Credit Agreement
Severance Agreement with Morris B. Smith
Stock Purchase Agreement

Subsidiaries of the Company

Consent of Ernst & Young LLP

Consent of Miller and Lents. .td.

Rule 13a-14(a)/15d-14(a) Certification

Table of Contents 3



Edgar Filing: ENCORE ACQUISITION CO - Form 10-K

Rule 13a-14(a)/15d-14(a) Certification
Certification Pursuant to 18 U.S.C. Section 1350
Certification Pursuant to 18 U.S.C. Section 1350

Table of Contents



Edgar Filing: ENCORE ACQUISITION CO - Form 10-K

Table of Contents

This annual report on Form 10-K (the Report ) contains forward-looking statements, which give our current expectations and forecasts of
future events. The Private Securities Litigation Reform Act of 1995 provides a safe harbor for forward-looking statements made by or on behalf
of Encore Acquisition Company or its subsidiaries. See Item 7. Management s Discussion and Analysis of Financial Condition and Results of
Operations for a description of various factors that could materially affect the ability of Encore Acquisition Company to achieve the anticipated
results described in the forward looking statements. Certain terms commonly used in the oil and natural gas industry and in this Report are
defined at the end of Item 7A, beginning on page 45, under the caption Glossary of Oil and Natural Gas Terms. In addition, all production and
reserve volumes disclosed in this Report represent amounts net to Encore Acquisition Company.

PART I

Items 1 and 2. Business and Properties

General

Our Business. We are a growing independent energy company engaged in the acquisition, development, exploitation, and production of
onshore North American oil and natural gas reserves. Since our inception in 1998, we have sought to acquire high quality assets with potential
for upside through low-risk development drilling projects. Our properties are currently located in the Williston Basin of Montana and North
Dakota, the Permian Basin of Texas and New Mexico, the Anadarko Basin of Oklahoma, the Powder River Basin of Montana, the Paradox
Basin of Utah, and the North Louisiana Salt Basin of Louisiana. During the three years ended December 31, 2003, we invested $134.8 million in
acquiring producing oil and natural gas properties and we have invested another $266.5 million on development and exploitation of these
properties.

Most Valuable Asset. The Cedar Creek Anticline ( CCA ), in the Williston Basin of Montana and North Dakota, represented 73% of our total
proved reserves as of December 31, 2003. The CCA is our most valuable asset today and in the foreseeable future. A large portion of our future
success revolves around future exploitation of and production from this property through primary, secondary, and tertiary recovery techniques.

Recent Acquisitions. On March 2, 2004, we entered into a stock purchase agreement to acquire all of the outstanding common stock of
Cortez Oil & Gas, Inc., a privately held, independent oil and gas company ( Cortez ), for total consideration of approximately $123.0 million. We
intend to fund the acquisition initially with bank debt under our existing credit facility. The oil and natural gas assets to be acquired from Cortez
are in the same areas as our producing properties located in the CCA of Montana, the Permian Basin of West Texas and Southeastern New
Mexico, and in our Mid Continent area, including the Anadarko and Arkoma Basins of Oklahoma and the Barnett Shale north of Fort Worth,
Texas. We expect to close the transaction in the second quarter of 2004.

On July 31, 2003, we completed an acquisition of interests in natural gas properties in North Louisiana for $52.5 million before purchase
price adjustments. Subsequent to the initial acquisition, we have purchased additional interests in the properties. The properties are located in the
Elm Grove Field in Bossier Parish, Louisiana and are non-operated working interests ranging from 2% to 38% across 1,800 net acres in 15
sections. The properties are substantially all natural gas. For the fourth quarter of 2003, the properties average daily production was 8,255 Mcfe.

Drilling. In 2003, we drilled 105 gross operated wells and participated in drilling another 33 gross non-operated wells for a total of
138 gross wells for the year. On a net basis, we drilled 95.7 operated wells and participated in 7.9 non-operated wells in 2003.

Oil and Natural Gas Reserves. In 2003, our reserve growth was achieved through acquisitions, high pressure air injection ( HPAI ) and
organically through the drill bit by developing a portion of our inventory of drilling projects that we expect will extend over the next several
years. We continue to pursue
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high-quality assets and to replenish our drilling inventory through acquisitions. During 2003, we added 20.7 MMBOE of oil and natural gas
reserves for finding, development, and acquisition, or FD&A, replacement costs of $7.42 per BOE, which replaced 255% of the 8.1 MMBOE we
produced in 2003. Including downward revisions of 3.5 MMBOE, the development program added 14.4 MMBOE (178% of our production) at
an average FD&A cost of $6.86 per BOE. Included in our reserve additions are 12.5 MMBOE of HPAI in the CCA of Montana and North
Dakota. Our three year average FD&A cost, including revisions, is $5.60 per BOE, with a reserve replacement ratio of 329%.

The following table sets forth our total proved reserves, average daily production and reserve-to-production ratio, or R/ P index, in our
principal areas of operation as of December 31, 2003 and for the year then ended.

Proved Reserves at Average Daily
December 31, Percent Production for Percent
2003 of 2003 of R/P

(MBOE) Total (BOE/d) Total Index
Cedar Creek Anticline(1) 103,601 73% 13,490 61% 21.0
Permian Basin(2) 22,424 16% 4,554 20% 13.5
Rockies(3) 6,620 5% 2,935 13% 6.2
Mid Continent(4) 8,245 6% 1,239 6% 11.2
Total 140,890 100% 22,218 100% 17.4

I | I I

(1)  Our CCA properties, which produce mainly from porous dolomites drilled on 40 to 80 acre spacing intervals, have longer reserve lives
than our other properties because the low permeability level encountered within those producing intervals require a longer time to produce
the reserves in place. This results in a lower production decline rate.

(2) Permian Basin includes the Central Permian, Indian Basin and Crockett properties.
(3) Rockies includes the Paradox Basin, Lodgepole and Bell Creek properties.

(4) Mid Continent includes the Elm Grove and Verden properties. The Elm Grove properties were acquired on July 31, 2003, and the R/ P
index shown in the table is calculated by annualizing our production since the acquisition.

Public Offering. On November 13, 2003, we priced a public offering of 8.0 million shares of our common stock at a price to the public of
$20.25 per share. The underwriters also exercised their over-allotment option for an additional 1.06 million shares of common stock, at a price of
$20.25 per share, on December 2, 2003, for a total of 9.06 million shares. We used all of the net proceeds to repurchase 6,866,643 shares of our
common stock from J.P. Morgan Partners (SBIC), LLC ( J.P. Morgan ) and 2,193,357 shares from Warburg, Pincus Equity Partners L.P.

( Warburg Pincus ) at a price of $19.3775 per share. The 9.06 million shares we purchased were retired upon repurchase. Our total shares
outstanding did not change as a result of this offering. Net proceeds from the original offering and the over-allotment option totaled
approximately $175.6 million, after deducting underwriting discounts and commissions and the estimated expenses of the offering. After giving
effect to the repurchase, J.P. Morgan no longer beneficially owns any of our common stock and Warburg Pincus beneficially owns 24.5% of our
common stock.

Business Strategies
Our primary business objective is to maximize internally generated cash flow and shareholder value by executing the following strategies:

Maintain an Active Low-Risk Development Drilling Program. Our technological expertise, combined with our proficient field operations
and reservoir engineering, have allowed us to increase production and reserves on our properties through development drilling, workovers,
waterflood enhancements, tertiary projects, and recompletions. Our plan is to maintain an inventory of low-risk

3
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exploitation and development projects that provide us ongoing drilling activity. Each year, we budget a portion of internally generated cash
flow to secondary and tertiary recovery projects whose results will not be seen until future years. Our conventional development budget for
2004, exclusive of spending on high pressure air injection, is $93 million.

Maximize Existing Reserves and Production Through High-Pressure Air Injections. In addition to conventional development drilling, we
utilize high-pressure air injection techniques on certain properties to enhance our growth. High-pressure air injection involves utilizing
compressors to inject air into previously produced oil and natural gas formations in order to displace remaining resident hydrocarbons and
force them under pressure to a common lifting point for production. We believe that the HPAI programs on our CCA properties will
generate a higher rate of return than other tertiary processes and can be applied throughout our CCA properties. The zone of our initial
focus for HPALI, the Red River U4 zone, is the same zone where HPAI has been successfully implemented by other operators in adjacent
areas and on our Pennel unit of the CCA. Response from HPAI investments is not expected until ten to eighteen months from the time of
first injection. Our high-pressure air injection budget for 2004 is $34 million.

Expand Our Reserves, Production, and Drilling Inventory Through a Disciplined Acquisition Program. We will continue to pursue
acquisitions of properties with similar upside potential to our current producing properties portfolio. Using the experience of our
management team, we have developed and refined an acquisition program designed to increase our reserves and to complement our core
properties, while providing upside potential. We have a staff of engineering and geoscience professionals who manage our core properties
and use their experience and expertise to target attractive acquisition opportunities. Following an acquisition, our technical professionals
seek to enhance the value of the new assets through a proven development and exploitation program. For the year ended 2003, we
evaluated over $1 billion of potential acquisitions. We will continue to aggressively evaluate acquisition opportunities in 2004 with the
same disciplined commitment to acquire assets that fit our portfolio and continue to create value for our shareholders.

Focus on Cost Control Through Efficient and Safe Operations. As of December 31, 2003, we operated properties representing
approximately 84% of our proved reserves, which allows us to control capital allocation and expenses. Not only do we strive to efficiently
operate our properties but we strive to safely operate our properties. The total recordable incident rate ( TRIR ) averaged 2.5 per 200,000
man hours for the industry in 2003. We are very proud to have a perfect TRIR of zero for our employees in 2003.

Challenges to Implementing Our Strategy. We face a number of challenges to implementing our strategy and achieving our goals. Our
primary challenge is to generate superior rates of return on our investments in a volatile commodity pricing environment, while replenishing our
drilling inventory. Changing commodity prices affect the rate of return on a property acquisition, internally generated cash flow, and, in turn, can
affect our capital budget. In addition to the changing commodity price risk, we face strong competition from independents and major oil
companies. For more information on the challenges to implementing our strategy and achieving our goals, please read Factors That May Affect
Future Results and Financial Condition beginning on page 37.
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The following table sets forth the net production, proved reserves quantities, and PV-10 values of our properties:

Properties Principal Areas of Operations

Proved Reserve Quantities PV-10
Net Production 2003 at December 31, 2003 at December 31, 2003
Natural Natural
[0)1} Gas Total [0)1} Gas Total
(MBbls) (MMcf) (MBOE) Percent (MBDbls) (MMcf) (MBOE) Amount(5) Percent
(In thousands)
Cedar Creek
Anticline(1) 4,723 1,206 4,924 61% 100,387 19,286 103,601 $ 614,428 60%
Permian Basin(2) 853 4,857 1,662 20% 11,067 68,138 22,424 230,223 23%
Rockies(3) 990 490 1,071 13% 6,123 2,983 6,620 62,263 6%
Mid Continent(4) 35 2,498 453 6% 155 48,543 8,245 114,160 11%
Total 6,601 9,051 8,110 100% 117,732 138,950 140,890 $1,021,074 100%

(1)  Our CCA properties, which produce mainly from porous dolomites drilled on 40 to 80 acre spacing intervals, have longer reserve lives
than our other properties because the low permeability level encountered within those producing intervals require a longer time to produce
the reserves in place. This results in a lower production decline rate.

(2) Permian Basin includes the Central Permian, Indian Basin and Crockett properties.
(3) Rockies includes the Paradox Basin, Lodgepole and Bell Creek properties.
(4) Mid Continent includes the Elm Grove and Verden Properties.

(5) The pretax present value of estimated future revenues to be generated from the production of proved reserves, net of estimated production
and future development costs; using prices and costs as of the date of estimation without future escalation; without giving effect to hedging
activities, non-property related expenses such as general and administrative expenses, debt service, and depletion, depreciation, and
amortization; and discounted using an annual discount rate of 10%. Giving effect to hedging transactions based on prices current at such
dates, our PV-10 value would have been decreased by $23.8 million at December 31, 2003. The Standardized Measure at December 31,
2003 is $736.9 million. Standardized Measure differs from PV-10 because Standardized Measure includes the effect of future income
taxes.

Operations

We act as operator of properties representing approximately 84% of our proved reserves at December 31, 2003. As operator, we are able to
better control expenses, capital allocation, and the timing of exploitation and development activities of these properties. Our remaining
properties are operated by third parties, and, as working interest owners in those properties, we are required to pay our share of the costs of
operating, exploiting, and developing them. See ~ Properties Nature of Our Ownership Interests on page 11. During the years ended
December 31, 2003, 2002, and 2001 our approximate costs for development activities on non-operated properties were $5.4 million,
$3.4 million, and $9.3 million, respectively. Because the properties purchased in our North Louisiana acquisition in 2003 are all non-operated,
we expect our capital costs related to non-operated activities to increase in 2004.

Proved Reserves

Proved developed reserves are proved reserves that are expected to be recovered from existing wells with existing equipment and operating
methods. Proved undeveloped reserves are proved reserves that are expected to be recovered from new wells drilled to known reservoirs on
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the existence and recoverability of such reserves can be estimated with reasonable certainty, or from existing wells where a relatively major
expenditure is required to establish production. Proved undeveloped reserves include unrealized production response from fluid injection and
other improved recovery techniques where such techniques have been proved effective by actual tests in the area and in the same reservoir.

The following table sets forth estimated period-end proved reserves for the periods indicated as estimated by Miller and Lents, Ltd.,
independent petroleum engineers (in thousands except per Bbl and per Mcf amounts):

As of December 31,
2003 2002 2001
il (Bbls)
Developed 92,377 93,945 71,639
Undeveloped 25,355 17,729 19,730
Total 117,732 111,674 91,369
Natural Gas (Mcf)
Developed 104,767 82,217 69,941
Undeveloped 34,183 17,601 5,746
Total 138,950 99,818 75,687
L | |
Combined (BOE)
Developed 109,838 107,648 83,296
Undeveloped 31,052 20,662 20,687
Total(1) 140,890 128,310 103,983
PV-10(2)
Developed $ 844,873 $732,823 $299,383
Undeveloped 176,201 132,281 60,979
Total $1,021,074 $865,104 $360,362
L | |
Standardized Measure(3) $ 736,939 $624,718 $284,309
L | |
Reserve price assumptions
Oil ($/Bbl) $ 32.55 $ 31.20 $ 19.84
Natural gas ($/Mcf) 5.83 4.79 2.57

(1) Volumetric reserves attributed to the net profits interests in our CCA properties were 20,623 MBOE, 16,262 MBOE, and 11,062 MBOE,
respectively, at December 31, 2003, 2002, and 2001. See ~ Properties Net Profits Interests on page 13. The volumes attributed to the net
profits interests, which reduce our reserves on a BOE for BOE basis, will fluctuate from period to period primarily based on commodity
prices and the level of planned development expenditures.

(2) The pretax present value of estimated future revenues to be generated from the production of proved reserves net of estimated future
production and future development costs; using prices and costs as of the date of estimation without future escalation; without giving effect
to hedging activities, non-property related expenses such as general and administrative expenses, debt service, and depletion, depreciation,
and amortization; and discounted using an annual discount rate of 10%. Giving effect to hedging transactions based on prices current at
such dates, our PV-10 value would have been $997.2 million at December 31, 2003, $860.6 million at December 31, 2002, and
$364.4 million at December 31, 2001.
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(3) Estimated future cash inflows to be generated from the production and sale of proved oil and natural gas reserves, net of estimated future
production and development costs, and future income tax expenses discounted at 10% per annum to reflect the timing of future cash flows.
Standardized Measure differs from PV-10 because Standardized Measure includes the effect of future income taxes.

There are numerous uncertainties inherent in estimating quantities of proved reserves and in projecting future rates of production and timing
of exploitation expenditures. The data in the above table represents estimates only. Oil and natural gas reserve engineering is inherently a
subjective process of estimating underground accumulations of oil and natural gas that cannot be measured exactly, and estimates of other
engineers might differ materially from those shown above. The accuracy of any reserve estimate is a function of the quality of available data and
engineering and geological interpretation and judgment. Results of drilling, testing, and production, after the date of the estimate, may justify
revisions. Accordingly, reserve estimates may vary significantly from the quantities of oil and natural gas that are ultimately recovered.

Future prices received for production and future costs may vary, perhaps significantly, from the prices and costs assumed for purposes of
these estimates. The PV-10 reserve value shown should not be construed as the current market value of the reserves. The 10% discount factor
used to calculate present value, which is mandated by the Securities and Exchange Commission ( SEC ), is not necessarily the most appropriate
discount rate. The present value, no matter what discount rate is used, is materially affected by assumptions as to timing of future production,
which may prove to be inaccurate. For properties that we operate, future production expenses exclude our share of contractual overhead charges.
In addition, the calculation of estimated future costs does not take into account the effect of various cash outlays, including, among other things,
general and administrative costs and interest expense.

During the calendar year 2003, we filed estimates of oil and natural gas reserves at December 31, 2002 with the U.S. Department of Energy
on Form EIA-23. As required for the EIA-23, this filing reflects only production that comes from our operated wells at year end, and is reported
on a gross basis. These estimates come directly from our reserve report that is prepared by Miller and Lents, Ltd., who are independent
petroleum engineers.

Production and Price History

The following table sets forth information regarding net production of oil and natural gas, certain price information, and average cost per
BOE for each of the periods indicated:

Year Ended December 31,
2003 2002 2001

Production:

Oil (MBbls) 6,601 6,037 4,935

Natural gas (MMcf) 9,051 8,175 8,078

Combined (MBOE) 8,110 7,399 6,281
Average Daily Production:

Oil (Bbls/d) 18,085 16,540 13,519

Natural gas (Mcf/d) 24,798 22,397 22,130

Combined (BOE/d) 22,218 20,273 17,208
Average Prices:

Oil (per Bbl) $ 26.72 $ 22.34 $ 2143

Natural gas (per Mcf) 4.83 3.16 3.73

Combined (per BOE) 27.14 21.72 21.64
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Year Ended December 31,
2003 2002 2001
Average Costs per BOE:
Lease operations expense $4.67 $4.15 $4.00
Production, ad valorem, and severance taxes 2.71 2.12 2.20
General and administrative (excluding non-cash stock based
compensation) 1.07 0.83 0.80
Depletion, depreciation, and amortization 4.13 4.67 5.05
Producing Wells

The following table sets forth information at December 31, 2003 relating to the producing wells in which we owned a working interest as of
that date. We also held royalty interests in 2,546 producing wells as of that date. Wells are classified as oil or natural gas wells according to their
predominant production stream. Gross wells are the total number of producing wells in which we have an interest, and net wells are determined
by multiplying gross wells by our average working interest.

0Oil Wells Natural Gas Wells
Average Average
Gross Net Working Gross Net Working
Wells Wells Interest Wells Wells Interest
Cedar Creek Anticline 565 492 87% 31 8 25%
Permian Basin 1,171 213 18% 367 143 39%
Rockies 309 77 25%
Mid Continent 65 3 5% 222 39 18%
Total 2,110(1) 785 37% 620(1) 190 31%
I I I I

(1) Our total wells include 906 operated wells and 1,824 non-operated wells.
Acreage

The following table sets forth information at December 31, 2003 relating to acreage held by us. Developed acreage is assigned to producing
wells. Undeveloped acreage is acreage held under lease, permit, contract, or option that is not in a spacing unit for a producing well, including
leasehold interests identified for exploitation or exploratory drilling. Our undeveloped acreage is concentrated in our CCA, Bell Creek, and
Verden properties, which represent 75%, 7%, and 7% of our total undeveloped acreage, respectively. These leases expire at various dates
ranging from January 2004 to July 2012, with leases representing $403,000 of cost set to expire in 2004 if not developed.

Gross Net
Acreage Acreage
Developed acreage 211,219 138,981
Undeveloped acreage 73,896 56,903
Total 285,115 195,884
I I
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Drilling Results

The following table sets forth information with respect to wells drilled during the periods indicated. The information should not be
considered indicative of future performance, nor should a correlation be assumed between the number of productive wells drilled, quantities of
reserves found, or economic value. We should continue to have good results from drilling because most of our exposure is to infill drilling.
Productive wells are those that produce commercial quantities of hydrocarbons, exclusive of their capacity to produce a reasonable rate of return.

Year Ended December 31,
Development Wells 2003 2002 2001

Productive

Gross 137.0 109.0 142.0

Net 103.0 95.3 105.6
Dry

Gross 1.0 0.0 1.0

Net 0.7 0.0 1.0

Present Activities

As of December 31, 2003, we had a total of 3 gross (2.9 net) wells that had been spudded and were in varying stages of drilling operations.
Also, there were 10 gross (9.8 net) wells that had reached total depth and were in varying stages of completion pending first production.

As of December 31, 2003, we are in the process of expanding the HPAI program to the entire north end of the Pennel Unit. Full field design
has been completed and we are ordering necessary tubular, electrical, and compression equipment for the project.

We are in the process of completing the first phase of HPAI in the Little Beaver area on CCA. First injection began in the Little Beaver
phase one during December 2003 and phase one and phase two should be completed during 2004.

Delivery Commitments and Marketing

Our oil and natural gas production is principally sold to end users, marketers, refiners, and other purchasers having access to nearby pipeline
facilities consistent with industry practices. In areas where there is no practical access to pipelines, oil is trucked to storage facilities. Our
marketing of oil and natural gas can be affected by factors beyond our control, the potential effects of which cannot be accurately predicted. For
the fiscal year 2003, our largest purchasers included ConocoPhillips, Shell, and Eighty-Eight Oil, which respectively accounted for 28%, 26%,
and 11% of total oil and natural gas sales. Management is of the opinion that the loss of any one purchaser would not have a material adverse
effect on our ability to market our o0il and natural gas production. The sale of approximately 50% of CCA oil is dependant on transportation to
markets through the Butte pipeline to Guernsey, Wyoming. Any restrictions on the available capacity for us to transport oil in this pipeline could
have a material adverse effect on our price we receive and our oil revenues.

Competition

We compete with major and independent oil and natural gas companies. Some of our competitors have substantially greater financial and
other resources than we do. In addition, larger competitors may be able to absorb the burden of any changes in federal, state, provincial, and
local laws and regulations more easily than we can, adversely affecting our competitive position. Our competitors may be able to pay more for
productive oil and natural gas properties and may be able to define, evaluate, bid for, and purchase a greater number of properties and prospects
than we can. Further, these companies may enjoy technological advantages and may be able to implement new technologies more rapidly than
we can. Our ability to
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acquire additional properties in the future will depend upon our ability to conduct efficient operations, evaluate and select suitable properties,
implement advanced technologies, and consummate transactions in this highly competitive environment.

Federal and State Regulations

Compliance with applicable federal and state regulations is often difficult and costly, and non-compliance may result in substantial
penalties. The following are some specific regulations that may affect us. We cannot predict the impact of these or future legislative or
regulatory initiatives.

Federal Regulation of Natural Gas. The interstate transportation and sale for resale of natural gas is subject to federal regulation, including
transportation rates and various other matters, by the Federal Energy Regulatory Commission ( FERC ). Federal wellhead price controls on all
domestic natural gas were terminated on January 1, 1992 and none of our natural gas sales are currently subject to FERC regulation. We cannot
predict the impact of future government regulation on any natural gas operations.

Although FERC s regulations should generally facilitate the transportation of natural gas produced from our properties and the direct access
to end-user markets, the future impact of these regulations on marketing our production or on our natural gas transportation business cannot be
predicted. We do not believe, however, that we will be affected differently than competing producers and marketers.

Federal Regulation of Oil. Sales of crude oil, condensate and natural gas liquids are not currently regulated and are made at market prices.
The net price received from the sale of these products is affected by market transportation costs. A significant part of our oil production is
transported by pipeline. Under rules adopted by FERC effective January 1995, interstate oil pipelines can change rates based on an inflation
index, though other rate mechanisms may be used in specific circumstances. The United States Court of Appeals upheld FERC s orders in 1996.
These rules have had little effect on our oil transportation cost.

State Regulation. Oil and natural gas operations are subject to various types of regulation at the state and local levels. Such regulation
includes requirements for drilling permits, the method of developing new fields, the spacing and operations of wells and waste prevention. The
production rate may be regulated and the maximum daily production allowable from oil and natural gas wells may be established on a market
demand or conservation basis. These regulations may limit production by well and the number of wells that can be drilled.

Federal, State or Native American Leases. Our operations on federal, state or Native American oil and natural gas leases are subject to
numerous restrictions, including nondiscrimination statutes. Such operations must be conducted pursuant to certain on-site security regulations
and other permits and authorizations issued by the Bureau of Land Management, Minerals Management Service and other agencies.

Environmental Regulations. Various federal, state and local laws regulating the discharge of materials into the environment, or otherwise
relating to the protection of the environment, directly impact oil and natural gas exploration, development and production operations, and
consequently may impact our operations and costs. Management believes that we are in substantial compliance with applicable environmental
laws and regulations. To date, we have not expended any material amounts to comply with such regulations, and we do not currently anticipate
that future compliance will have a materially adverse effect on our consolidated financial position or results of operations.

Operating Hazards and Insurance

The oil and natural gas business involves a variety of operating risks, including fires, explosions, blowouts, environmental hazards, and
other potential events that can adversely affect our operations. Any of these problems could adversely affect our ability to conduct operations
and cause us to incur substantial losses. Such losses could reduce or eliminate the funds available for exploration, exploitation, or leasehold
acquisitions or result in loss of properties.
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In accordance with industry practice, we maintain insurance against some, but not all, potential risks and losses. We do not carry business
interruption insurance. We may not obtain insurance for certain risks if we believe the cost of available insurance is excessive relative to the
risks presented. In addition, pollution and environmental risks generally are not fully insurable at a reasonable cost. If a significant accident or
other event occurs that is not fully covered by insurance, it could adversely affect us.

Employees

We had 119 employees as of December 31, 2003, 50 of which are field personnel. None of the employees are represented by any union. We
consider our relations with our employees to be good.

Principal Executive Office

Our principal executive offices are located at 777 Main Street, Suite 1400, Fort Worth, Texas 76102. Our main telephone number is
(817) 877-9955.

Available Information

We make available electronically, free of charge through our website (www.encoreacq.com), our annual reports on Form 10-K, quarterly
reports on Form 10-Q, current reports on Form 8-K and other items filed with the SEC pursuant to Section 13(a) of the Securities Exchange Act
of 1934 as soon as reasonably practicable after we electronically file such material with the SEC. In addition, the public may read and copy any
materials that we file with the SEC at the SEC s Public Reference Room at 450 Fifth Street, NW, Washington, DC 20549. The public may obtain
information on the operation of the Public Reference Room by calling the SEC at 1-800-SEC-0330. The SEC maintains a website
(www.sec.gov) that contains reports, proxy and information statements and other information regarding issuers, like us, that file electronically
with the SEC.

We have adopted a code of business conduct and ethics that applies to all directors, officers, and employees, including our principal
executive officer and senior financial officers. The code of business conduct and ethics is available on our Internet website
(www.encoreacq.com). In the event that we make changes in, or provide waivers from, the provisions of this code of business conduct and ethics
that the SEC or NYSE require us to disclose, we intend to disclose these events on our website.

The charters of our board of director committees are available on our website. Copies of the code of business conduct and ethics and board
committee charters are also available in print upon written request to the Corporate Secretary, Encore Acquisition Company, 777 Main Street,
Suite 1400, Fort Worth, Texas 76102.

The information on our website or any other website is not incorporated by reference into this Report.

Properties

Nature of Our Ownership Interests

We own interests in oil and natural gas properties located in Montana, North Dakota, Texas, New Mexico, Oklahoma, Utah, and Louisiana.
Substantially all of our PV-10 reserve value at December 31, 2003 was attributable to working interests in oil and natural gas properties. A
working interest in an oil and natural gas lease requires us to pay our proportionate share of the costs of drilling and production. The map on the
following page depicts the location of our significant properties and the properties we plan to acquire from Cortez. For information on the
pending acquisition of Cortez, see General Recent Acquisitions and Note 14. Subsequent Events (unaudited) to the consolidated financial
statements.
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Cedar Creek Anticline Properties Montana and North Dakota

The CCA was purchased on June 1, 1999, and we have subsequently acquired additional working interests from various owners. Presently,
we operate approximately 99.5% of the CCA properties with an average working interest of approximately 87%.

The CCA is a major structural feature of the Williston Basin in southeastern Montana and northwestern North Dakota. Our acreage is
concentrated on the crest of the CCA, giving us access to the greatest accumulation of oil in the structure. Our holdings extend for approximately
70 continuous miles across five counties in two states. The gross producing interval on the CCA is approximately 2,000 feet thick, and ranges in
depth from approximately 7,000 feet to 9,000 feet.

Since taking over operations, along with subsequent additional acquired interests, we have increased production by 75% on the CCA from
7,807 BOE per day (average for June 1999) to 13,655 BOE per day (average for the fourth quarter 2003). We have accomplished ongoing
production growth through a combination of:

additional acquisition of interests;

detailed attention to the existing wellbores;

the addition of strategically positioned new horizontal and vertical wellbores;

the highly successful application of horizontal re-entry drilling in existing wellbores;

waterflood enhancements;

and implementation of our high-pressure air injection program.

In 2003, we drilled 78 gross wells on the CCA, of which 46 were horizontal re-entry wells that both reestablished production from

non-producing wells, added additional barrels from existing producing wells and serve as injection wells for secondary and tertiary recovery

projects. Including our HPAI project, we incurred $77.6 million of capital projects on the CCA during 2003. The average daily production from
the CCA was 13,490 BOE per day for 2003.

12
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Our outlook for sustained production growth on the CCA remains strong. We plan to continue the development of the reserve base through
currently identified opportunities and future opportunities resulting from knowledge gained through continued study and the drilling and
exploitation efforts ongoing on these properties. We believe that HPAI continues to be our most significant source of sustained production
growth on the CCA.

The CCA represents 73% of our total proved reserves as of December 31, 2003. The CCA represents our most valuable asset today and in
the foreseeable future. A large portion of our future success revolves around future exploitation and production from these properties.

High-Pressure Air Injection. High-pressure air injection is a tertiary recovery technique that involves utilizing compressors to inject air into
oil and natural gas formations in order to displace remaining resident hydrocarbons and force them under pressure to a common lifting point for
production.

In 2002 we initiated a HPAI pilot program that injects air into the Red River U4 zone in the Pennel area of the CCA. The Red River U4
zone is the same zone where high-pressure air injection has been successfully implemented by other operators in adjacent areas on the CCA. We
have seen positive results from this pilot high-pressure air injection project at Pennel. Based on these results, we are in the process of expanding
high pressure air injection to other areas in the CCA. We believe that high-pressure air injection technology can be applied throughout the CCA
and that it may yield significant new reserves. We believe that the high-pressure air injection will generate a higher rate of return than other
tertiary processes on the CCA.

The pilot project at Pennel continues to perform well with production uplift on target with our original projection. During the second half of
2003 we approved a $25 million project to expand HPALI to the entire north end of the Pennel Unit ( Pennel Phase Two ). Full field design has
been completed and we are ordering necessary tubular, electrical, and compression equipment. The Pennel Phase Two expansion should be
complete in early 2005.

In the Little Beaver area of the CCA we were able to arrange to purchase our high-pressure air compression services from an offset operator
during 2003. This allowed us to implement a HPAI project in Little Beaver, on the south end of the CCA, in less than one year. First injection
began in Little Beaver phase one during December 2003 and phase one and phase two should be completed during 2004. Our independent
reserve engineers, Miller and Lents, Ltd., booked 12.2 million barrels of proved undeveloped oil reserves associated with high pressure air at
year end 2003 related to the Little Beaver unit project. High-pressure air injection contributed to our FD&A cost during 2003.

We believe that much of our acreage in the CCA has potential opportunities for utilizing HPAI recovery techniques at economic rates of
return. We continue to evaluate and perform engineering studies on these projects. Over the next several years we plan to implement these
development projects initially in the Red River U4 zone of the CCA. Additionally, we have other zones in the CCA that currently produce oil
and may provide additional HPAI opportunities. We believe these zones can be most economically evaluated for HPAI opportunities after
initiating HPAI in the Red River U4 zone.

Net Profits Interests. A major portion of our acreage position in the CCA is subject to net profits interests ( NPI ) ranging from 1% to 50%.
The holders of these net profits interests are entitled to receive a fixed percentage of the cash flow remaining after specified costs have been
subtracted from net revenue. The net profits calculations are contractually defined, but in general, net profits are determined after considering
operating expense, overhead expense, interest expense, and drilling costs. The amounts of reserves and production calculated to be attributable
to these net profits interests are deducted from our reserves and production data, and our revenues are reported net of NPI payments. The
reserves and production that are attributed to the NPIs are calculated by dividing estimated future NPI payments (in the case of reserves) or prior
period actual NPI payments (in the case of production) by the commodity prices current at the determination date. Fluctuations in commodity
prices and the levels of development activities in the CCA from period to period will impact the reserves and production attributed to the NPIs
and will have an inverse effect on our reported reserves and production. For the years ended December 31,
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2003, 2002, and 2001, we reduced revenue for the payments of the net profits interests by $5.8 million, $2.0 million, and $2.8 million,
respectively.

Permian Basin Properties Texas and New Mexico

Central Permian  Andrews, Ector, and Pecos Counties, Texas

The Central Permian properties were purchased from Conoco on January 4, 2002. These properties are located in the Permian Basin near
Midland, Texas, and include two major operated fields: East Cowden Grayburg Unit and Fuhrman-Nix; and two non-operated fields: North
Cowden and Yates. The properties are 94% oil. Production from the Central Permian comes from multiple reservoirs including the San Andres,
Grayburg, Glorieta, and Pennsylvanian zones at depths ranging from approximately 4,000 feet to 10,000 feet. We invested $12.2 million in the
development drilling of 18 gross wells on the properties in 2003. Average daily production from the Central Permian properties was 2,410 BOE
per day in 2003. We see these properties as an area of growth over the next several years.

Crockett  Crockett County, Texas

The Crockett properties were purchased on March 30, 2000. We have acquired small additional working interests subsequent to the initial
acquisition. The properties, located in the southern portion of the Permian Basin of West Texas consist primarily of three field groupings located
near the town of Ozona, Texas. We operate approximately 34% of the Crockett properties, and we own a large interest in a significant number of
the properties that we do not operate.

Production comes mainly from the Canyon and Strawn Formations. Both formations contain multiple pay intervals, and continued
development opportunities remain on these properties. In 2003, an active development drilling program took place on our non-operated
properties. In 2003, we invested approximately $3.7 million of development capital on the Crockett properties. Since acquiring these properties,
we have increased production 18% from 8,700 Mcfe per day (average daily production for 2000) to 10,288 Mcfe per day (average daily
production for 2003). We see these properties as an area of growth over the next couple of years.

Indian Basin Eddy County, New Mexico

The Indian Basin properties were purchased on August 24, 2000. We own varied non-operated working interests in these properties
(primary area operators are Marathon and ChevronTexaco), whose production is 96% natural gas. Located in the western portion of the Permian
Basin in southeastern New Mexico, these properties produce from multiple zones in the Pennsylvanian Formation. In 2003, we invested an
insignificant amount of capital in the Indian Basin properties. The average daily production from the Indian Basin properties was 2,573 Mcfe per
day for 2003.

Rocky Mountain Properties North Dakota, Montana, and Utah

Lodgepole  Stark County, North Dakota

The Lodgepole properties were purchased on March 31, 2000. The properties consist of working and overriding royalty interests in several
geographically concentrated fields. Approximately 95% of our interests are non-operated; the largest of which is the Eland Unit in which we
own a 26% working interest.

The Lodgepole properties are located in the Williston Basin in western North Dakota near the town of Dickinson, approximately 120 miles
from our CCA properties. The Lodgepole properties produce exclusively from the Mississippian-aged Lodgepole Formation, and the Eland Unit
is the largest accumulation in the trend. The average production from the Lodgepole properties was 1,817 BOE per day for 2003. In 2003, we
invested an insignificant amount of capital in the Lodgepole properties.

The Lodgepole properties produce from reefs with high permeability and thick oil columns. The prolific nature of these reservoirs makes
future engineering estimates related to ultimate recovery of

14

Table of Contents 20



Edgar Filing: ENCORE ACQUISITION CO - Form 10-K

Table of Contents

reserves inherently difficult to determine. If the properties performance varies significantly from the Miller and Lents, Ltd. estimates of reserves,
then our future cash flows could be affected in 2004 and a few years beyond.

Bell Creek  Powder River and Carter Counties, Montana

The Bell Creek properties, located in the Powder River Basin of southeastern-most Montana, were purchased on November 29, 2000. We
operate the seven production units that comprise the Bell Creek properties, each with a 100% working interest. The shallow (less than
5,000 feet) Cretaceous-aged Muddy Sandstone reservoir produces 100% oil. We invested $0.5 million of capital in these properties in 2003. The
average daily production from the Bell Creek properties was 314 BOE per day for 2003.

Paradox Basin  San Juan County, Utah

The Paradox Basin properties, located in southeast Utah s Paradox Basin, were purchased on August 29, 2002. The properties are divided
between two prolific oil producing units: the Ratherford Unit operated by ExxonMobil and the Aneth Unit operated by ChevronTexaco. The
working interest and net revenue interest in the Ratherford Unit are 11.1% and 9.7%, respectively, and the working interest and the net revenue
interest in the Aneth Unit are 13.4% and 11.4%, respectively. The average net production to us was approximately 804 BOE per day. We believe
these properties have horizontal redevelopment, secondary development, and tertiary recovery potential. Our development capital was
$0.5 million for 2003.

Mid Continent Properties Oklahoma and Louisiana

Elm Grove Bossier Parish, Louisiana

The Elm Grove properties were purchased on July 31, 2003 for $52.5 million before purchase price adjustments. Subsequent to the initial
acquisition, we have purchased additional interests in the properties. The interests in the natural gas properties are located in the Elm Grove
Field in Bossier Parish, Louisiana. The acquired properties include non-operated working interests ranging from 2% to 38% across 1,800 net
acres in 15 sections. We did not own the properties for an entire year; but the properties averaged 8,255 Mcfe per day in the fourth quarter of
2003. At December 31, 2003, there were two wells currently being drilled and five wells waiting on completion. In 2003, we invested
approximately $2.8 million of development capital on the ElIm Grove properties. We believe these properties are an area of growth for us.

Verden Caddo and Grady Counties, Oklahoma

The Verden properties were purchased on August 24, 2000. We own various operated and non-operated interests in these properties.
Located in the Anadarko Basin of central Oklahoma, production is primarily natural gas from the deep (below 15,000 feet) prolific Springer
Sands. The development of these properties is driven primarily by other operators where we have a working interest in the properties and share
our proportional drilling costs. Therefore, we do not control the timing of future development of the properties. During 2003, we invested
$1.6 million of capital in the properties. The average daily production from the Verden properties was 4,088 Mcfe per day for 2003.

Title To Properties

We believe that our title to our oil and natural gas properties is good and defensible in accordance with standards generally accepted in the
oil and natural gas industry.
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Our properties are subject, in one degree or another, to one or more of the following:

royalties, overriding royalties, net profit interests, and other burdens under oil and natural gas leases;

contractual obligations, including, in some cases, development obligations arising under operating agreements, farmout agreements,
production sales contracts, and other agreements that may affect the properties or their titles;

liens that arise in the normal course of operations, such as those for unpaid taxes, statutory liens securing unpaid suppliers and contractors,
and contractual liens under operating agreements;

pooling, unitization and communitization agreements, declarations, and orders; and

easements, restrictions, rights-of-way, and other matters that commonly affect property.

We believe that the burdens and obligations affecting our properties do not in the aggregate materially interfere with the use of the
properties. As indicated under Net Profits Interests above, a major portion of our acreage position in the CCA, our primary asset, is subject to net
profits interests.

Item 3.  Legal Proceedings
We are not currently a party to any material legal proceeding of which we are aware.

Item 4.  Submission of Matters to a Vote of Security Holders
There were no matters submitted to stockholders during the quarter ended December 31, 2003.
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PART II

Item 5.  Market for Registrant s Common Equity and Related Stockholder Matters

Our common stock, $0.01 par value, is listed on the New York Stock Exchange under the symbol EAC . The following table sets forth
quarterly high and low sales prices of our common stock for each quarterly period of 2003 and 2002:

High Low

2003

Quarter ended December 31 $25.28 $19.60
Quarter ended September 30 22.15 17.80
Quarter ended June 30 20.01 17.00
Quarter ended March 31 19.35 16.63
2002

Quarter ended December 31 $20.40 $13.51
Quarter ended September 30 17.55 15.00
Quarter ended June 30 17.35 14.60
Quarter ended March 31 15.00 12.40

On February 27, 2004, we had approximately 202 shareholders of record.

Recent Sale and Repurchase of Securities

On November 13, 2003, we priced a public offering of 8.0 million shares of our common stock at a price to the public of $20.25 per share.
The underwriters also exercised their over-allotment option for an additional 1.06 million shares of common stock, at a price of $20.25 per share,
on December 2, 2003, for a total of 9.06 million shares. We used all of the net proceeds to repurchase 6,866,643 shares of our common stock
from J.P. Morgan and 2,193,357 shares from Warburg Pincus at a price of $19.3775 per share. The 9.06 million shares we purchased were
retired upon repurchase. Our total shares outstanding did not change as a result of this offering. Net proceeds from the original offering and the
over-allotment option totaled approximately $175.6 million, after deducting underwriting discounts and commissions and the estimated expenses
of the offering. After giving effect to the repurchase, J.P. Morgan no longer beneficially owns any of our common stock and Warburg Pincus
beneficially owns 24.5% of our common stock.

Dividends

No dividends have been declared or paid on our common stock. We anticipate that we will retain all future earnings and other cash
resources for the future operation and development of our business. Accordingly, we do not intend to declare or pay any cash dividends in the
foreseeable future. Payment of any future dividends will be at the discretion of our Board of Directors after taking into account many factors,
including our operating results, financial condition, current and anticipated cash needs, and plans for expansion. The declaration and payment of
dividends is restricted by our existing credit agreement, the indenture governing our 8 3/8% notes, and any future dividends may also be
restricted by future agreements with our lenders.
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Item 6.  Selected Financial Data

The following selected consolidated financial data should be read in conjunction with Item 7. Management s Discussion and Analysis of
Financial Condition and Results of Operations and Item 8. Financial Statements and Supplementary Data (in thousands except per share and per
unit data):

Year Ended December 31,
2003 2002 2001 2000 1999
Consolidated Statements of
Operations Data:
Revenues(1):
Oil $ 176,351 $ 134,854 $105,768 $ 92,441 $ 30,454
Natural gas 43,745 25,838 30,149 16,509 810
Total revenues $ 220,096 $ 160,692 $135,917 $108,950 $ 31,264
Net income (loss) $ 63,64112) $ 37,685 $ 16,1793) $ (2,135 $ 3,005
I I I I I
Net income (loss) per common
share:
Basic $ 2.11 $ 1.25 $ 056 $ (0.09) $ 0.13
Diluted 2.10 1.25 0.56 (0.09) 0.13
Weighted average number of
common shares outstanding:
Basic 30,102 30,031 28,718 22,806 22,687
Diluted 30,333 30,161 28,723 22,806 22,687
Consolidated Statements of
Cash Flows Data:
Cash provided by (used by):
Operating activities $ 123,818 $ 91,509 $ 80,212 $ 44,508 $ 9,759
Investing activities (153,747) (159,316) (89,583) (99,236) (201,701)
Financing activities 17,303 80,749 8,610 49,107 194,972
Production:
Qil (Bbls) 6,601 6,037 4,935 3,961 1,796
Natural gas (Mcf) 9,051 8,175 8,078 4,303 180
Combined (BOE) 8,110 7,399 6,281 4,678 1,826
Average Sales Price:
Oil ($/Bbl) $ 2672 $ 2234 $ 2143 $ 2334 $ 16.96
Natural gas ($/Mcf) 4.83 3.16 3.73 3.84 4.50
Combined ($/BOE) 27.14 21.72 21.64 23.29 17.12
Costs per BOE:
Lease operations $ 4.67 $ 4.15 $ 4.00 $ 399 $ 4.60
Production and severance taxes 2.71 2.12 2.20 3.24 2.97
General and administrative
(excluding non-cash stock
based compensation) 1.07 0.83 0.80 0.93 222
Depletion, depreciation, and
amortization 4.13 4.67 5.05 4.72 2.89
Reserves:
Qil (Bbls) 117,732 111,674 91,369 78,910 69,299
Natural gas (Mcf) 138,950 99,818 75,687 72,970 10,940
Combined (BOE) 140,890 128,310 103,983 91,072 71,122
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As of December 31,
2003 2002 2001 2000 1999
Consolidated Balance Sheet Data:
Working capital $ (52) $ 12,489 $ 1,107 $ (15,275) $ 5,126
Total assets 672,138 549,896 402,000 343,756 215,571
Total debt 179,000 166,000 79,107 162,045 99,250
Stockholders equity 358,975 296,266 269,302 147,811 102,422

(1) For the years ended December 31, 2003, 2002, 2001, 2000, and 1999 we reduced revenue for the payments of the net profits interests by
$5.8 million, $2.0 million, $2.8 million, $11.5 million, and $4.4 million, respectively.

(2) Net income for the year ended December 31, 2003 includes a $0.9 million cumulative effect of accounting change, which affects its
comparability with other periods presented. See pro forma amounts presented in Note 2. Summary of Significant Account Policies New
Accounting Standards to the accompanying consolidated financial statements.

(3) Net income for the year ended December 31, 2001 includes $9.6 million of non-cash compensation expense, $4.3 million of bad debt
expense, $1.6 million of impairment of oil and natural gas properties, and a $(0.9) million cumulative effect of accounting change, which
affects its comparability with other periods presented.

(4) Net income for the year ended December 31, 2000 includes $26.0 million of non-cash compensation expense, which affects its
comparability with other periods presented.

Item 7.  Management s Discussion and Analysis of Financial Condition and Results of Operations

The following discussion and analysis of the consolidated financial condition and results of operations of Encore Acquisition Company
should be read in conjunction with the historical financial information provided in the consolidated financial statements and accompanying
notes, as well as the business and properties descriptions in Items I and 2 of this Report.

Overview

We engage in the acquisition, development, exploitation and production of onshore North American oil and natural gas reserves. We remain
determined to execute our business strategy of maintaining an active low-risk development drilling program, maximizing existing reserves and
production through high-pressure air injection projects, expanding our reserves and production through a disciplined acquisition program, and
cost control through efficient and safe operations.

Our financial results and ability to generate cash depend upon many factors, particularly the price of oil and natural gas. Oil prices remained
strong in 2003. The average oil price for the NYMEX futures market was $31.04 and $26.08 per barrel for 2003 and 2002, respectively. The
average natural gas price for the NYMEX futures market was $5.50 and $3.36 per MMBTU for 2003 and 2002, respectively. Commodity prices
are impacted by many factors that are outside of our control. It is very difficult for us to predict future commodity prices. For this reason, we
attempt to mitigate the effect of commodity price risk by hedging.

In 2003, we were able to expand our Mid Continent area by acquiring a non-operated interest in natural gas properties in North Louisiana.
We are optimistic both about how well this particular asset, Elm Grove, fits in our portfolio, and by the possibilities of additional acquisitions in
the region. EIm Grove complements our existing asset base in many ways. We believe it contains a solid, predictable production base along with
a large number of low risk infill drilling opportunities that are currently being exploited.

Also in 2003, we continued to see positive results from our initial high-pressure air injection project at our Pennel unit of the CCA, and have
approved expanding it to other areas in the CCA. We began phase one of our second HPAI project in Little Beaver during December 2003 and
phase one and phase two
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should be completed during 2004. Our independent reserve engineers, Miller and Lents, Ltd., booked 12.2 million barrels of proved
undeveloped oil reserves associated with high pressure air at year end 2003 related to the Little Beaver unit project. High pressure air injection
contributed to our FD&A cost of $7.42 per BOE during 2003. For the long term, we believe that high-pressure air injection technology can be
applied throughout the Cedar Creek Anticline.

2003 Highlights

Our financial and operating results for the year ended December 31, 2003 included the following highlights:

Oil and natural gas reserves increased 10% to 140,890 MBOE. During 2003, we added 20.7 MMBOE at a FD&A cost of $7.42 per BOE,
replacing 255% of the 8.1 MMBOE produced in 2003. Including revisions, the development program added 14.4 MMBOE (178% of our
production) at a cost of $6.86 per BOE. Included in our reserve additions are 12.5 MMBOE of high-pressure air volumes. The

12.5 MMBOE represents the first reserves related to our high-pressure air injection program in the Cedar Creek Anticline of Montana and
North Dakota. Our three year FD&A costs, including revisions, are $5.60 per BOE with a reserve replacement ratio of 329%. Oil reserves
accounted for 84% of total proved reserves, and 78% of proved reserves are proved developed. Our reserve-to-production ratio is 17 years
for total proved reserves and 14 years for proved developed reserves.

Production volumes for the year increased 10% to 8.1 MMBOE (22,218 BOE per day), compared with 2002 production of 7.4 MMBOE
(20,273 BOE per day). Oil represented 81% and 82% of our total BOE production in 2003 and 2002, respectively. The increase in
production is due to our continued successful development and exploitation program as well as the EIm Grove acquisition.

Net income for the full year of 2003 increased 69% to $63.6 million, or $2.10 per diluted share, on revenues of $220.1 million. Net income
for the year ended December 31, 2003 includes a $0.9 million ($0.03 per diluted share) cumulative effect of accounting change resulting
from the adoption of Statement of Financial Accounting Standards No. 143 Accounting for Asset Retirement Obligations on January 1,
2003. This compares to full year 2002 net income of $37.7 million, or $1.25 per diluted share, on revenues of $160.7 million. For 2003,
cash flow from operations increased 35% to $123.8 million from $91.5 million for 2002. The increase in net income and cash flow from
operations from 2002 was primarily a result of higher production and higher commodity prices throughout the year.

We improved our financial flexibility and liquidity by negotiating an increased borrowing base under the existing credit facility from
$220 million to $270 million. At December 31, 2003, we had $29 million outstanding on the borrowing base and $241 million available
for funding of future capital requirements.

We improved our ability to access capital markets with the filing of a $400 million universal shelf registration statement on Form S-3. We
currently have $216 million availability remaining under the registration statement.

We expanded the liquidity and public ownership of our common stock by facilitating the sale of common stock by J.P. Morgan and
Warburg Pincus. On November 13, 2003, we priced a public offering of 8.0 million shares of our common stock at a price to the public of
$20.25 per share. The underwriters also exercised their over-allotment option for an additional 1.06 million shares of common stock, at a
price of $20.25 per share, on December 2, 2003, for a total of 9.06 million shares. We used all of the net proceeds to repurchase
6,866,643 shares of our common stock from J.P. Morgan and 2,193,357 shares from Warburg Pincus at a price of $19.3775 per share. The
9.06 million shares we purchased were retired upon repurchase. Our total shares outstanding did not change as a result of this offering. Net
proceeds from the original offering and the over-allotment option totaled approximately $175.6 million, after deducting underwriting
discounts and commissions and the estimated expenses of the offering. After giving effect to the repurchase, J.P. Morgan
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no longer beneficially owns any of our common stock and Warburg Pincus beneficially owns 24.5% of our common stock.

High-pressure air injection was implemented in a second area on the CCA properties in the Little Beaver area. We were able to negotiate
the purchase of high-pressure air compression services from an offset operator. This allowed us to implement a project in Little Beaver
unit, on the south end of the Cedar Creek Anticline, in less than one year. First injection began in Little Beaver phase one during
December 2003 and phase one and phase two should be completed during 2004. Our independent reserve engineers, Miller and Lents,
Ltd., booked 12.2 million barrels of oil reserves associated with high pressure air at year end 2003 at Little Beaver. High pressure air

injection contributed to our FD&A cost during 2003.

Results of Operations

Comparison of 2003 to 2002

Set forth below is our comparison of operations during the year ended December 31, 2003 with the year ended December 31, 2002.

Revenues and Production. For the year ended December 31, 2003, revenues increased $59.4 million. The following table illustrates the
primary components of oil and natural gas revenue for the years ended December 31, 2003 and 2002, as well as each year s respective oil and
natural gas volumes (dollars in thousands except per unit amounts):

Revenues:
Oil wellhead
Oil hedges

Total Oil Revenues

Natural gas wellhead
Natural gas hedges

Total Natural Gas
Revenues

Combined wellhead
Combined hedges

Total Combined
Revenues

Other data:

Oil (MBbls)

Natural Gas (MMcf)
Combined (MBOE)
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Year Ended December 31,
2003 2002 Difference
Revenue $/Unit Revenue $/Unit Revenue $/Unit
$190,203 $28.82 $141,119 $23.38 $ 49,084 $ 544
(13,852) (2.10) (6,265) (1.04) (7,587) (1.06)
$176,351 $26.72 $134,854 $22.34 $ 41,497 $ 4.38
| | | | ] |
$ 45,218 $ 5.00 $ 24,803 $ 3.03 $ 20,415 $1.97
(1,473) 0.17) 1,035 0.13 (2,508) (0.30)
$ 43,745 $ 4.83 $ 25,838 $ 3.16 $ 17,907 $ 1.67
| | | | ] |
$235,421 $29.03 $165,922 $22.42 $ 69,499 $ 6.61
(15,325) (1.89) (5,230) (0.70) (10,095) (1.19)
$220,096 $27.14 $160,692 $21.72 $ 59,404 $ 5.42
Average Average Average
NYMEX NYMEX NYMEX
Production $/Unit Production $/Unit Production $/Unit
6,601 $31.04 6,037 $26.08 564 $4.96
9,051 5.50 8,175 3.36 876 2.14
8,110 7,399 711
28
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Oil revenues increased $41.5 million in 2003 over 2002 as production increased 564 MBbls and our average realized price increased
$4.38 per Bbl. The increase in production resulted from our successful development drilling program and uplift from the HPAI program. Oil
revenues were reduced by $13.9 million in 2003 due to our hedging program. The hedging per Bbl reduction to our wellhead oil price of $2.10
represented a $1.06 per Bbl greater reduction than in 2002. This compares favorably with the
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$4.96 increase in the average NYMEX price from 2002 to 2003 as we were able to realize additional upside due to a higher average ceiling on
our 2003 hedges compared to NYMEX than in 2002. In addition, our oil wellhead revenue was reduced by $5.6 million and $2.0 million in 2003
and 2002, respectively, for the net profits interests payments made to others related to our CCA properties.

Natural gas revenues increased in 2003 by $17.9 million due to a 65% increase in the net wellhead price received along with increased
production of 876 MMcf. The increase in net wellhead price received of $1.97 per Mcf resulted as the average NYMEX price increased
$2.14 per Mcf over the same period. The natural gas production increase resulted from the Elm Grove acquisition during 2003. Averaging
7,984 Mcfe per day since its acquisition on July 31, 2003, the Elm Grove properties added 3,345 Mcfe per day to our average daily production
for the full year.

For 2004, we anticipate increased production related to our budgeted $93 million capital drilling program and $34 million in HPAI projects.
We also have an additional $13 million budgeted for leasehold and other general capital expenditures. The total capital budget for 2004 is
$140 million.

Prices received for oil and natural gas production are largely based on current market prices, which are beyond our control. We have based
our 2004 forecasts on the assumptions of $23.50 per Bbl and $3.75 per Mcf NYMEX prices. For comparability and accountability, we take a
constant approach to budgeting commodity prices. We presently analyze our inventory of capital projects on $23.50 per Bbl and $3.75 per Mcf
NYMEX prices to ensure a good rate of return to our shareholders without the benefit of escalating future commodity prices. If NYMEX prices
trend downward below our base deck, we may reevaluate our capital projects. At these assumed prices, we have forecasted net hedge contract
payments of approximately $0.9 million for oil and net receipts of $4.5 million for natural gas. However, these amounts will change directly
with any change in the market price of oil and natural gas and with any change in our outstanding hedge positions. Additionally, we have
anticipated net profits interests payments of $1.7 million for oil and $0.03 million for natural gas. These payments are highly dependent on the
level of drilling in the CCA and commodity prices, and thus, any change in the level of drilling or market fluctuation in commodity prices will
have a direct impact on the amount of payments we are required to make. If commodity prices are significantly lower than our forecasted prices
of $23.50 for oil and $3.75 for natural gas, we will not have sufficient internally generated cash flow to fund the budgeted $93 million drilling
program, $34 million in HPAI projects, and $13 million leasehold and other capital for 2004. In this case, we would have to borrow money
under our existing revolving credit facility, seek capital markets, or curtail the capital program. If drilling is curtailed or ended, future cash flows
could be materially negatively impacted.

Lease Operations Expense. Lease operations expense for the year ended December 31, 2003 increased by $7.2 million as compared to 2002.
The increase in total lease operations expense resulted from the increase in volumes as a result of our 2003 drilling program, the ElIm Grove
acquisition and HPAI program. See ~ Revenues and Production above. On a per BOE basis, lease operations expense increased $0.52 primarily
due to (1) full year results of our Paradox Basin properties, which had higher average per BOE lease operations expense of $9.04 for 2003
compared to our average of $4.67 per BOE, (2) the HPAI project on the CCA properties, and (3) lower production volumes from our Lodgepole
properties, which have low operating costs.

For 2004, we anticipate an increase in total lease operations expense, as well as on a per BOE basis. We anticipate this increase due to a full
year of production at our North Louisiana properties, as well as further implementation of the high-pressure air injection program. Also, the
continued production decline of our Lodgepole properties, which have low per BOE operating costs, will continue to raise our lease operations
expense on a per BOE basis. We have projected total lease operations expenses of approximately $46.5 million, or $5.56 per BOE, for 2004.

Production, Ad Valorem, and Severance Taxes. Production, ad valorem, and severance taxes for the year ended December 31, 2003
increased as compared to 2002 by approximately $6.4 million. The increase is a direct result of the increase in wellhead revenue. See ~ Revenues
and Production above. As a
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percentage of oil and natural gas revenues (excluding the effects of net profits and hedges), production, ad valorem, and severance taxes
increased slightly from 9.3% to 9.4% from 2002 to 2003.

For 2004, total production, ad valorem, and severance taxes will depend in a large part on prevailing oil and natural gas prices. However,
the production, ad valorem, and severance tax rate should remain relatively constant at an estimated 9.1% of wellhead revenues. However, if
NYMEX prices continue to stay above $30 per barrel, we will temporarily lose production and severance tax incentives in Montana and North
Dakota, which would cause our tax rates to increase in 2004.

Depletion, Depreciation, and Amortization ( DD&A ) Expense. Despite an increase in production, DD&A expense decreased by
approximately $1.0 million in 2003. This decrease was due to the adoption of SFAS 143 on January 1, 2003, which resulted in a lower per BOE
rate. As a result of the adoption of SFAS 143, we can no longer assume proceeds received for the salvage value of our equipment will offset
plugging and abandonment costs, and thus are now required to deduct salvage value from the book value of equipment in calculating our
depreciable base. This was the primary driver of the decrease in the average DD&A rate from $4.67 per BOE of production during 2002 to
$4.13 per BOE in 2003.

We anticipate the total DD&A expense in 2004 will increase due to increased production resulting from the Elm Grove acquisition and our
planned 2004 capital expenditures of $140 million. Assuming capital expenditures do not differ significantly from our budgeted amount, we
expect our DD&A rate for 2004 to be approximately $4.60 per BOE. This per BOE increase from 2003 is primarily attributable to higher than
historical FD&A costs for 2003. This rate could vary significantly based on actual capital expenditures, production rates, net profits interests,
and any acquisition that closes in 2004. Additionally, changes in the market price for oil and natural gas could affect the level of our reserves. As
the level of reserves change, the DD&A rate is inversely affected.

General and Administrative ( G&A ) Expense. G&A expense increased $2.5 million ($0.24 per BOE) to $8.7 million in 2003 (excluding
non-cash stock based compensation of $0.6 million in 2003). The increase in G&A expense was a result of increased staffing levels used to
manage our growing asset base and outside consulting services used in the evaluation of potential acquisitions.

We have forecast approximately $9.8 million for general and administrative expenses in 2004. This represents an increase of approximately
$1.1 million from 2003. The increase is expected to result from the continued implementation of the HPAI projects, increased staffing,
additional expenses related to compliance with the Sarbanes-Oxley Act of 2002 and the changes in listing requirements of The New York Stock
Exchange.

Non-Cash Stock Based Compensation Expense. Non-cash stock based compensation expense increased from zero in 2002 to $0.6 million in
2003. This expense represents the amortization of deferred compensation, recorded in equity related to restricted stock granted under the 2000
Incentive Stock Plan. This amount is being amortized to expense over the vesting period of the restricted stock.

During 2002 and 2003, we issued 129,328 and 45,461 shares, respectively, of restricted stock to employees. Of these, 77,901 shares issued
in 2002 and 45,461 shares issued in 2003 vest in equal installments on the third, fourth, and fifth anniversary of the date of the grant and depend
only on continued employment for future issuance. These represent a fixed award per APB 25 and compensation expense will be recorded over
the related service period. Of the remaining 51,427 shares issued in 2002, 34,464 remain outstanding at December 31, 2003. These were issued
to two members of senior management and also vest in equal installments on the third, fourth, and fifth anniversary of the date of the grant.
However, these shares not only depend on the passage of time and continued employment, but on certain performance measures for their future
issuance. These represent a variable award under APB 25 and, thus, the full amount of compensation expense to be recorded for these shares will
not be known until their eventual issuance.

Other Operating Expense. Other operating expense for the year ended December 31, 2003 increased as compared to 2002 by approximately
$1.4 million. This amount primarily consists of 2003 severance payment obligations to former employees. The remaining amount relates to the
inclusion of accretion
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expense on our SFAS 143 future abandonment liability; and the abandonment in undeveloped leasehold costs.

For 2004, we anticipate other operating expense to be approximately $2.9 million.

Interest Expense. Interest expense for the year ended December 31, 2003 increased $3.8 million over 2002 due primarily to an increase in
our weighted average interest rate from period to period, as well as an increase in debt outstanding related to our credit facility. We incurred
additional debt in 2003 to fund the North Louisiana acquisition. The weighted average interest rate, net of hedges, for 2003 was 9.6% compared
to 8.2% for 2002. This higher weighted average interest rate is the result of the issuance of $150 million aggregate principal amount of
8 3/8% senior subordinated notes in June 2002, which was the primary component of our total indebtedness during 2003, while the revolving
credit facility with a lower floating rate was the primary component during the first half of 2002. In conjunction with the issuance of
8 3/8% notes in June 2002, we entered into an interest rate swap, which swaps fixed rates to floating, with the intent of lowering our effective
interest payments. As this transaction does not qualify for hedge accounting, changes in its fair market value, as well as settlements, are not
recorded in interest expense, but in Derivative fair value (gain) loss on the Consolidated Statements of Operations. During 2003, a gain of
$1.5 million related to this interest rate swap was recorded in Derivative fair value (gain) loss . See Note 11 to the accompanying consolidated
financial statements.

The following table illustrates the components of interest expense for 2003 and 2002 (in thousands):

2003 2002 Difference
8 3/8% senior subordinated notes $12,563 $ 6,488 $ 6,075
Revolving credit facility 453 2,260 (1,807)
Hedge settlements 1,249 (1,249)
Hedge loss amortization 1,910 1,619 291
Debt issuance cost amortization 714 314 400
Fees and other 511 376 135
Total $16,151 $12,306 $ 3,845
| | |

Derivative Fair Value Gain/Loss. The derivative fair value gain of $0.9 million in 2003 represents the ineffective portion of the
mark-to-market loss on our derivative hedging instruments, settlements received on our fixed to floating interest rate swap, any commodity
derivatives not designated as hedges, and changes in the mark-to-market value of our fixed to floating interest rate swap.

Currently, this line item on the Statement of Operations is primarily dependent on the futures price of oil, natural gas and LIBOR interest
rates. This is due to the fact that the main components are the mark-to-market movement of and any settlements on our commodity derivative
contracts not designated as hedges and our fixed to floating interest rate swap.

Income Tax Expense. Income tax expense for 2003 increased $13.5 million over 2002. This increase is due primarily to the $38.6 million
increase in Income before Income Taxes from 2002 to 2003. Our effective income tax rate, prior to adjusting for Section 43 credits, remained at
a constant 38% for both 2002 and 2003. However, during 2003, we generated $2.1 million in Section 43 credits, as compared to $1.1 million of
Section 43 credits generated in 2002. This increase resulted in an effective income tax rate of 36.5% in 2003, a decrease of 1% from our 2002
effective rate of 37.5%.
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Comparison of 2002 to 2001
Set forth below is our comparison of operations during the year ended December 31, 2002 with the year ended December 31, 2001.

Revenues and Production. For the year ended December 31, 2002, revenues increased $24.8 million. The following table illustrates the
primary components of oil and natural gas revenue for the years ended December 31, 2002 and 2001, as well as each year s respective oil and
natural gas volumes (dollars in thousands except per unit amounts):

Year Ended December 31,
2002 2001 Difference
Revenue $/Unit Revenue $/Unit Revenue $/Unit
Revenues:
Oil wellhead $141,119 $23.38 $114,723 $23.25 $26,396 $0.13
Oil hedges (6,265) (1.04) (8,955) (1.82) 2,690 0.78
Total Oil Revenues $134,854 $22.34 $105,768 $21.43 $29,086 $ 0.91
| | | | | ]
Natural gas wellhead $ 24,803 $ 3.03 $ 34,014 $ 421 $(9,211) $(1.18)
Natural gas hedges 1,035 0.13 (3,865) (0.48) 4,900 0.61
Total Natural Gas Revenues $ 25,838 $ 3.16 $ 30,149 $ 373 $(4,311) $(0.57)
| | | | | ]
Average Average Average
NYMEX NYMEX NYMEX
Production $/Unit Production $/Unit Production $/Unit
Other data:
Oil (MBbls) 6,037 $26.08 4,935 $25.92 1,102 $0.16
Gas (MMcf) 8,175 3.36 8,078 4.06 97 (0.70)
Combined (MBOE) 7,399 6,281 1,118

Oil revenues increased $29.1 million in 2002 over 2001 primarily due to an increase in oil volumes, while the net wellhead price received
remained relatively flat. Oil volumes increased 1,102 MBbls from 2001 to 2002 due to the Central Permian and Paradox Basin acquisitions, as
well as increased production from our successful development drilling program. Wellhead oil revenues were reduced by $2.0 million and
$2.7 million in 2002 and 2001, respectively, for the net profits interests payments held by others in the CCA. Total oil revenues were further
increased by a decrease in hedge payments, which were $2.7 million lower.

Natural gas revenues decreased in 2002 by $4.3 million due to a 28% decrease in the net wellhead price received, from $4.21 in 2001 to
$3.03 in 2002, with essentially flat production. This price decline is consistent with the NYMEX decline from $4.06 to $3.36 over the same
period. We recovered a portion of the natural gas price decline through our hedges, which generated net receipts of $1.0 million in 2002 versus
net payments of $3.9 million in 2001. These hedging receipts are a direct result of the decrease in the average NYMEX price for natural gas.

Lease Operations Expense. Lease operations expense for the year ended December 31, 2002 increased as compared to 2001 by $5.5 million.
The increase in lease operations expenses resulted from the increase in volumes as a result of our 2002 Central Permian and Paradox Basin
acquisitions and our successful drilling program. See ~ Revenues and Production above. On a per BOE basis, lease operations expenses increased
from $4.00 in 2001 to $4.15 in 2002 primarily due to higher per BOE lifting costs for our 2002 acquisitions.

Production, Ad Valorem, and Severance Taxes. Production, ad valorem, and severance taxes for the year ended December 31, 2002
increased as compared to 2001 by approximately $1.8 million. The increase is a direct result of the increase in wellhead revenue. See ~ Revenues
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percentage of oil and natural gas revenues (excluding the effects of net profits and hedges), production, ad valorem, and severance taxes
increased slightly from 9.1% to 9.3% from 2001 to 2002.

Depletion, Depreciation, and Amortization ( DD&A ) Expense. DD&A expense increased by approximately $2.8 million in 2002. This
increase was due to a 1.1 MMBOE increase in production volumes, partially offset by a decrease in the DD&A rate per BOE. See ~ Revenues and
Production above. The average DD&A rate decreased from $5.05 per BOE of production during 2001 to $4.67 per BOE in 2002. The increase in
volumes caused a $5.6 million increase in related DD&A expense, while the decrease in the DD&A rate caused a $2.8 million decrease. The
decrease is attributable to upward reserve revisions due to higher prices.

General and Administrative ( G&A ) Expense. G&A expense increased $1.1 million in 2002 (excluding non-cash stock based compensation
of $9.6 million in 2001). The increase in G&A resulted from the additional staff necessary after the Permian and Paradox Basin acquisitions to
manage, expand, and exploit our growing asset base. On a per BOE basis, G&A expense remained relatively flat at $0.83 during 2002 as
compared to $0.80 during 2001.

Other Operating Expense. Other operating expense for the year ended December 31, 2002 increased as compared to 2001 by approximately
$1.1 million. This amount primarily consists of 2001 severance payment obligations to former employees, as well as transportation costs,
namely pipeline fees paid to third parties, geological and geophysical expenses, and delay rentals. The increase is due to higher transportation
costs and geological and geophysical expenses in 2002, which more than offset the lack of severance payments in 2002.

Interest Expense. Interest expense for the year ended December 31, 2002 increased $6.3 million over 2001. The increase in interest expense
is primarily due to increased levels of debt, amortization of hedge loss (see below), and a higher weighted average interest rate in 2002 as
compared to 2001. On June 25, 2002, we issued $150.0 million in 8 3/8% senior subordinated notes, and used most of the proceeds to repay all
amounts outstanding under the previous credit facility and entered into a new revolving credit facility. See ~ Capital Commitments, Capital
Resources and Liquidity on page 31. For 2002, the weighted average debt balance was $149.7 million, compared with $89.3 million for 2001.
Additionally, the weighted average interest rate, including hedges, in 2002 was 8.2%, while it was 6.8% in 2001. The higher weighted average
interest rate is due to a higher fixed rate on the 8 3/8% notes as compared to the floating rate debt outstanding previously.

At the time the previous credit facility was terminated, we had three interest rate swaps outstanding, with a notional amount of $30.0 million
each, which swapped LIBOR-based floating rates for fixed rates. According to the provisions of SFAS 133, these no longer qualified for hedge
accounting. The unrealized loss of $3.8 million at June 25, 2002, which was recognized in accumulated other comprehensive income, is being
amortized to interest expense over the original life of the swaps. We amortized $1.6 million of this loss to interest expense during 2002.

The following table illustrates the components of interest expense for 2002 and 2001 (in thousands):

2002 2001 Difference
8 3/8% senior subordinated notes $ 6,488 $ $ 6,488
Revolving credit facility 2,260 4,596 (2,336)
Burlington note 389 (389)
Hedge settlements 1,249 717 532
Hedge loss amortization 1,619 1,619
Debt issuance cost 314 120 194
Fees and other 376 219 157
Total $12,306 $6,041 3 6,265
I I I
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Non-Cash Stock Based Compensation Expense. Non-cash stock based compensation expense decreased from $9.6 million for 2001 to zero
in 2002. This non-cash stock based compensation expense is associated with the purchase by our management stockholders of Class A common
stock under our management stock plan adopted in August 1998 and was recorded as compensation in accordance with variable plan accounting
under Accounting Principles Board Opinion No. 25, Accounting for Stock Issued to Employees ( APB 25 ). The $9.6 million of non-cash
compensation expense recorded in the first quarter of 2001 represents the final amount of expense to be recorded related to the Class A common
stock.

Derivative Fair Value Gain/Loss. The derivative fair value gain of $0.9 million in 2002 represents the ineffective portion of the
mark-to-market loss on our derivative hedging instruments, as well as the mark-to-market loss on our two short puts outstanding at
December 31, 2002 and our interest rate swap settlements subsequent to the issuance of the senior subordinated notes on June 25, 2002.

Bad Debt Expense. On December 2, 2001, Enron Corp. and certain subsidiaries, including Enron North America Corp. ( Enron ), each filed
voluntary petitions for relief under Chapter 11 of Title 11 of the United States Bankruptcy Code. Prior to this date, we had entered into oil and
natural gas hedging contracts with Enron, many of which were set to expire at December 31, 2001; however, others related to 2002 and 2003. As
a result of the Chapter 11 bankruptcy declaration and pursuant to the terms of our contract with Enron, we terminated all outstanding oil and
natural gas derivative contracts with Enron as of December 12, 2001. According to the terms of the contract, Enron is liable to us for the
mark-to-market value of all contracts outstanding on that date, which totaled $6.6 million. Additionally, Enron failed to make timely payment of
$0.4 million in 2001 hedge settlements. Both of these amounts remained outstanding as of December 31, 2001. Due to the uncertainty of future
collection of any or all of the amounts owed to us by Enron, for the year ended December 31, 2001, we have recorded a charge to bad debt
expense for the full amount of the receivable, $7.0 million, and recorded a related allowance on the receivable of $7.0 million.

At the time of termination, the market price of our commodity contracts with Enron exceeded their amortized cost on our balance sheet,
giving rise to a gain. In accordance with the provisions of SFAS 133, this gain was recorded in other comprehensive income until such time as
the original hedged production affected income. As a result, at December 31, 2001, we had $4.8 million in gross unrecognized gains in other
comprehensive income that were reversed into earnings during 2002 and 2003. The following table illustrates the amortization of this amount to
revenue (in thousands):

Period 0Oil Gas Total
2002 $2,822 $1,594 $4,416
2003 401 18 419
Total $3,223 $1,612 $4,835
] | |

Impairment of Oil and Natural Gas Properties. Throughout 2001, futures prices for oil and natural gas continued to decline from their
December 31, 2000 levels. The SEC price case used for our 2000 reserve estimate was $26.80 per Bbl and $9.77 per Mcf dropping to $19.84 per
Bbl and $2.57 per Mcf for the 2001 estimate. Although the SEC price case does not necessarily coincide with management s estimates of future
prices, this indicated the need to assess our oil and natural gas properties for any possible impairment. Thus, we compared the undiscounted
future cash flows for each of our oil and natural gas properties to their net book value, which indicated the need for an impairment charge on
certain properties. We then compared the net book value of the impaired assets to their estimated fair value, which resulted in a write-down of
the value of proved oil and natural gas properties of $2.6 million. Fair value was determined using estimates of future production volumes and
estimates of future prices we might receive for these volumes discounted back to a present value using a rate commensurate with the risks
inherent in the industry.
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We performed a similar review at December 31, 2002 and determined no impairment charge was necessary.

Description of Critical Accounting Estimates

Oil and Natural Gas Properties

Successful Efforts Method. We utilize the successful efforts method of accounting for our oil and natural gas properties as opposed to the
full cost method. In general, we believe that the successful efforts method of accounting for oil and natural gas would not result in materially
different operating results as we do not currently maintain an active exploratory drilling program. Under the successful efforts method, all
development and acquisition costs of proved properties are capitalized and amortized on a unit-of-production basis over the remaining life of
proved developed reserves or proved reserves, as applicable. Exploration expenses, including geological and geophysical expenses and delay
rentals, are charged to expense as incurred. Costs of drilling exploratory wells are initially capitalized, but charged to expense if and when the
well is determined to be unsuccessful. To date, our exploration efforts have been minimal. Expenditures for repairs and maintenance to sustain
or increase production from the existing producing reservoir are charged to expense as incurred. Expenditures to recomplete a current well in a
different or additional proven or unproven reservoir are capitalized pending determination that economic reserves have been added. If the
recompletion is not successful, the expenditures are charged to expense. Expenditures for redrilling or directional drilling in a previously
abandoned well are classified as drilling costs to a proven or unproven reservoir for determination of capital or expense. Significant tangible
equipment added or replaced is capitalized. Expenditures to construct facilities or increase the productive capacity from existing reserves are
capitalized. Internal costs directly associated with the development and exploitation of properties are capitalized as a cost of the property and are
classified accordingly in our consolidated financial statements.

Oil and Natural Gas Reserves. Assumptions used by the independent reserve engineers in calculating reserves or regarding the future cash
flows or fair value of our properties are subject to change in the future. Future prices received for production and future production costs may
vary, perhaps significantly, from the prices and costs assumed for purposes of calculating reserve estimates. We may not be able to develop
proved reserves within the periods estimated. Furthermore, prices and costs will not remain constant. Actual production may not equal the
estimated amounts used in the preparation of reserve projections. As these estimates change, the amount of calculated reserves change. Any
change in reserves directly impacts our estimate of future cash flows from the property, as well as the property s fair value.

Impairment. Impairments of proved oil and natural gas properties are directly affected by our reserve estimates. We are required to assess
the need for an impairment of capitalized costs of oil and natural gas properties and other long-lived assets whenever events or circumstances
indicate that the carrying value of those assets may not be recoverable. If impairment is indicated based on a comparison of the asset s carrying
value to its undiscounted expected future net cash flows, then it is recognized to the extent that the carrying value exceeds fair value. Each part
of this calculation is subject to a large degree of management judgment, including the determination of property s reserves, amount and timing of
future cash flows, and fair value.

Depletion, Depreciation, and Amortization ( DD&A ). DD&A expense is directly affected by our reserve estimates. Any change in reserves
directly impacts the amount of DD&A expense that we recognize in a given period. Assuming no other changes, such as an increase in
depreciable base, as our reserves increase, the amount of DD&A expense in a given period decreases and vice versa. Changes in future
commodity prices would likely result in increases or decreases in estimated recoverable reserves. Additionally, the Miller & Lents, Ltd., our
independent reserve engineers estimate our reserves once a year at December 31.
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Net Profits Interests

A major portion of our acreage position in the Cedar Creek Anticline is subject to net profits interests ( NPI ) ranging from 1% to 50%. The
holders of these net profits interests are entitled to receive a fixed percentage of the cash flow remaining after specified costs have been deducted
from net revenues. The net profits calculations are contractually defined, but in general, net profits are determined after considering operating
expense, overhead expense, interest expense, and drilling costs. The amounts of reserves and production calculated to be attributable to these net
profits interests are deducted from our reserves and production data, and our revenues are reported net of NPI payments. The reserves and
production that are attributed to the NPIs are calculated by dividing estimated future NPI payments (in the case of reserves) or prior period
actual NPI payments (in the case of production) by the commodity prices current at the determination date. Fluctuations in commodity prices
and the levels of development activities in the CCA from period to period will impact the reserves and production attributed to the NPIs and will
have an inverse effect on our reported reserves and production. Based largely on higher commodity prices, we expect the net profit interest to be
higher in the year 2004 and possibly beyond, which directly impacts our revenues, production, reserves, and earnings.

Revenue Recognition

Revenues are recognized for our share of jointly owned properties as oil and natural gas is produced and sold, net of royalties and net profits
interest payments. Natural gas revenues are also reduced by any processing and other fees paid except for transportation costs paid to third
parties which are recorded as expense. Revenues are recorded using the sales method of accounting whereby revenue is recognized as natural
gas is sold by us rather than as our working interest share of production. Royalties, net profits interests, and severance taxes are paid based upon
the actual price received from the sales. To the extent actual quantities and values of oil and natural gas are unavailable for a given reporting
period because of timing or information not received from third parties, we estimate and record the expected sales volumes and values for those
properties. We also do not recognize revenue for the production in tanks or pipelines that has not been delivered to the purchaser yet. Our net oil
inventories in pipelines were 46,622 Bbls and 104,954 Bbls at December 31, 2003 and 2002, respectively. Natural gas imbalances
under-delivered to us at December 31, 2003 and December 31, 2002, were 446,000 MMBTU and 510,000 MMBTU, respectively.

Income Taxes

Section 43 Credits. Section 43 of the Internal Revenue Code ( Code ) allows a 15 percent tax credit for certain enhanced oil recovery project
costs incurred in the United States. We believe project costs incurred related to our HPAI tertiary recovery project on the CCA qualify under the
provisions of the Code and, therefore, we have reduced income tax expense by 15 percent of project costs incurred to date. The tax basis for the
properties (and related intangible drilling cost deductions and future depreciation deductions) is reduced by the amount of the enhanced oil
recovery tax credit. In order to qualify for the credits a project must meet all of the following requirements:

1. The project involves the application of one or more qualified tertiary recovery methods that is reasonably expected to result in more
than an insignificant increase in the amount of crude oil that ultimately will be recovered;

2. The project is located within the United States;
3. The first injection of liquids, gases, or other matter for the project occurs after December 31, 1990; and

4. The project is certified by a petroleum engineer.
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According to the Code, the costs that will qualify for the credit when paid or incurred in connection with a qualifying enhanced oil recovery
project include:

1. Tangible Property. Any amount paid for tangible property that is an integral part of a qualified enhanced oil recovery project, and
with respect to which depreciation is allowable.

2. Intangible Drilling and Development Costs. Intangible drilling cost with respect to which the taxpayer may make an intangible
drilling costs deduction election under Code Sec. 263(c).

3. Qualified Tertiary Injectant Expenses. Any qualified tertiary injectant expenses for which a deduction is allowable under any Code
section.

If our federal income tax returns are reviewed by the Internal Revenue Service (the IRS ), the IRS could disagree with our decision and
disallow a portion of the credit. While we believe our HPAI project qualifies for the tax credit and that our accounting and tracking of the costs
related to project are accurate, should the IRS disagree with our position, we would be required to record additional income tax expense to the
extent tax credits have been previously recognized.

Stock-based Compensation

Employee stock options and restricted stock awards are accounted for under the provisions of Accounting Principles Board Opinion No. 25
( APB 25 ), Accounting for Stock Issued to Employees. Accordingly, no compensation is recorded for stock options that are granted to employees
or non-employee directors with an exercise price equal to or above the common stock price on the grant date. If compensation expense for the
stock based awards had been determined using the provisions of SFAS 123, our net income and net income per share would have been adjusted
to the pro forma amounts indicated below (in thousands, except per share amounts):

Year Ended December 31,
2003 2002 2001

As Reported:

Net income $63,641 $37,685 $16,179

Non-cash stock based compensation (net of taxes) 381 9,587

Diluted net income per share 2.10 1.25 0.56
Pro Forma:

Net income $62,093 $36,408 $15,475

Non-cash stock based compensation (net of taxes) 1,929 1,277 10,291

Diluted net income per share 2.05 1.21 0.54

Hedging and Related Activities

We use various financial instruments for non-trading purposes to manage and reduce price volatility and other market risks associated with
our crude oil and natural gas production. These arrangements are structured to reduce our exposure to commodity price decreases, but they can
also limit the benefit we might otherwise receive from commodity price increases. Our risk management activity is generally accomplished
through over-the-counter forward derivative contracts executed with large financial institutions. We also use derivative instruments in the form
of interest rate swaps, which hedge our risk related to interest rate fluctuation.

Effective January 1, 2001, we adopted Statement of Financial Accounting Standards No. 133 ( SFAS 133 ), Accounting for Derivative
Instruments and Hedging Activities. This standard requires us to recognize all of our derivative and hedging instruments in our statements of
financial position as either assets or liabilities and measure them at fair value. If a derivative does not qualify for hedge accounting, it must be
adjusted to fair value through earnings. However, if a derivative does qualify for hedge accounting, depending on the nature of the hedge,
changes in fair value can be offset against the
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change in fair value of the hedged item through earnings or recognized in other comprehensive income until such time as the hedged item is
recognized in earnings.

To qualify for cash flow hedge accounting, the cash flows from the hedging instrument must be highly effective in offsetting changes in
cash flows due to changes in the underlying items being hedged. In addition, all hedging relationships must be designated, documented, and
reassessed periodically. Most of our derivative financial instruments qualify for hedge accounting. In accordance with the provisions of
SFAS 133, cash flow hedges are marked-to-market through comprehensive income each quarter.

Currently, all of our derivative financial instruments that are designated as hedges are designated as cash flow hedges. These instruments
hedge the exposure of variability in expected future cash flows that is attributable to a particular risk. The effective portion of the gain or loss on
these derivative instruments is recorded in Other Comprehensive Income in Stockholders Equity and reclassified into earnings in the same
period in which the hedged transaction affects earnings. Any ineffective portion of the gain or loss is recognized as Derivative fair value (gain)
loss in the Consolidated Statements of Operations immediately. While management does not anticipate changing the designation of any of our
current derivative contracts as hedges, factors beyond our control can preclude the use of hedge accounting. One example would be variability in
the NYMEX price for oil or natural gas, upon which many of our commodity derivative contracts are based, that does not coincide with changes
in the spot price for oil and natural gas that we are paid. Another example would be if the counterparty to a derivative contract was deemed no
longer creditworthy and non-performance under the terms of the contract was likely. To the extent our derivative contracts are not designated as
hedges, high earnings volatility can result, as any future changes in the market value of the contract would then be marked-to-market through
earnings.

Capital Commitments, Capital Resources and Liquidity

Capital Commitments. Our primary needs for cash are as follows:

Development and exploitation of our existing oil and natural gas properties
High-pressure air injection programs on our CCA properties

Acquisitions of oil and natural gas properties

Leasehold and acreage costs

Other general property and equipment

Funding of necessary working capital

Payment of contractual obligations

Development and Exploitation. Our capital expenditures for conventional development and exploitation during the years ended
December 31, 2003 and 2002 totaled $86.1 million and $73.7 million, respectively.

For 2004, we expect to invest $93 million in development and exploitation. We have based our 2004 forecasts on the assumptions of
$23.50 per Bbl and $3.75 per Mcf NYMEX prices. For comparability and accountability, we take a constant approach to budgeting commodity
prices. We analyze our inventory of capital projects based on $23.50 per Bbl and $3.75 per Mcf NYMEX prices to ensure a rate of return to our
shareholders without the benefit of escalating future commodity prices. If NYMEX prices trend downward below our base deck, we may
reevaluate capital projects and may adjust the capital budgeted for development and exploitation investments accordingly.

High-Pressure Air Injection. Our capital expenditures for high-pressure air injection during the years ended December 31, 2003 and 2002
totaled $12.9 million and $6.6 million, respectively. In 2003, we began implementing our second HPAI program in the Little Beaver unit of the
CCA and began injecting air in the reservoir in December 2003. We expect to have the Little Beaver unit fully implemented by the first quarter
of 2004. The Little Beaver unit project was taken from concept to implementation in less than

31

Table of Contents 40



Edgar Filing: ENCORE ACQUISITION CO - Form 10-K

Table of Contents

9 months. We successfully negotiated a contract from a third party to supply the air compression services to Little Beaver, which reduced the up
front capital requirements for the Little Beaver unit project. In 2002, we began a pilot program to begin injecting air into the Red River U4
reservoir in a portion of the Pennel Unit of the CCA. Because of positive results, we are planning to expand the project in the Pennel unit of the
CCA with a $25.2 million expansion of the project which we expect to complete by early 2005. We believe that the HPAI program will generate
a higher rate of return than other tertiary processes and can be applied throughout the CCA. The zone of our initial focus, the Red River U4
zone, is the same zone where HPAI has been successfully implemented by other operators in adjacent areas and on the Pennel unit of the CCA.
Response from HPAI investments is not expected until ten to eighteen months from the time of first injection.

For 2004, we expect to invest $34 million in high-pressure air injection. We have based our 2004 forecasts on the assumptions of $23.50 per
Bbl and $3.75 per Mcf NYMEX prices. See  Development and Exploitation above regarding our approach to budgeting commodity prices.

Acquisitions. Our capital expenditures for oil and natural gas acquisitions during the years ended December 31, 2003 and 2002 totaled
$54.6 million and $78.5 million, respectively. In 2003, we completed an acquisition of interests in natural gas properties in North Louisiana. The
properties are located in the Elm Grove Field in Bossier Parish, Louisiana and are non-operated working interests ranging from 2% to 38%
across 1,800 net acres in 15 sections. The production and reserves of the properties are substantially all natural gas. On January 1, 2002, we
completed the Central Permian acquisition from Conoco for approximately $50.1 million. During the second quarter of 2002, we closed a
second, follow-on acquisition of additional working interest for $8.3 million. The Central Permian properties increased our operational presence
in West Texas. On August 29, 2002 we acquired an interest in oil and natural gas properties in southeast Utah s Paradox Basin.

We will continue to pursue acquisitions of properties with similar upside potential to our current producing properties portfolio. For the year
ended 2003, we evaluated over $1 billion of potential acquisitions. We do not budget for acquisitions but we will continue to evaluate
acquisition opportunities as they arise in 2004 with the same disciplined commitment to acquire assets that fit our portfolio and continue to
create value.

Our current $140 million capital budget for 2004 does not include any funds for the development and exploitation of oil and natural gas
properties that we may acquire during 2004. Our practice is to review our capital budget following a significant acquisition. We are currently
undertaking such a review in connection with the Cortez transaction.

Leasehold and Acreage Costs. Our capital expenditures for leasehold and acreage costs during the years ended December 31, 2003 and
2002 totaled $0.1 million and $0.4 million, respectively.

For 2004, we expect to invest $12 million for leasehold and acreage costs. Compared to historical expenditures for leasehold and acreage,
2004 will be a significant increase in capital expenditures. We plan to actively pursue leases and acreage in our core areas that we are currently
operating oil and natural gas properties. These investments are not expected to result in oil and natural gas production in 2004.

Other General Property and Equipment. Our capital expenditures for other general property and equipment during the years ended
December 31, 2003 and 2002 totaled $1.5 million and $0.7 million, respectively. Capital expenditures for other general property and equipment
include corporate leasehold improvements, computers, software, telecommunications equipment, field trucks, and field rental equipment.

For 2004, we expect to invest $0.8 million in other general property and equipment.

Working Capital. At December 31, 2003, our working capital was $(0.1) million while at December 31, 2002 working capital was
$12.5 million, a decrease of $12.6 million. The decrease is primarily attributable to cash and cash equivalents. Excluding the decrease in cash of
$12.6 million, working capital was essentially flat from 2002 to 2003. In order to minimize our interest expense, we use
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excess cash reserves to pay down any amounts outstanding under our revolving credit facility. However, at the end of 2002, due to the margin
maintenance requirements with our commodity derivative counterparties and the high commodity price environment, we maintained cash
reserves on hand to satisfy any margin calls as they arose. Thus, we held a much higher cash and cash equivalents balance at December 31, 2002
than would otherwise be held. This resulted in the decrease in working capital from December 31, 2002 to December 31, 2003. Currently, as of
March 3, 2004, we have $4.5 million posted related to our derivatives margin account.

For 2004, we expect working capital to remain relatively flat to 2003. We anticipate cash reserves to be close to zero as we use any excess
cash to fund capital obligations and any additional excess cash would be used to pay down our existing credit facility. We do not plan to pay
cash dividends in the foreseeable future. The overall 2004 commodity prices for oil and natural gas will be the largest variable driving the
different components of working capital. Our operating cash flow is determined in a large part by commodity prices. Assuming moderate to high
commodity prices, our operating cash flow should remain positive for the foreseeable future. We have budgeted capital expenditures of
approximately $140.0 million for 2004. The level of these and other future expenditures is largely discretionary, and the amount of funds
devoted to any particular activity may increase or decrease significantly, depending on available opportunities and market conditions. We plan to
finance our ongoing expenditures using internally generated cash flow, available cash, and our existing credit agreement.

Contractual Obligations. The following table illustrates our contractual obligations and commercial commitments outstanding at
December 31, 2003 (in thousands):

Payments Due by Period
Contractual Obligations and
Commercial Commitments Total 2004 2005-2006 2007-2008 Thereafter
8 3/8% Notes(1) $256,782 $12,563 $25,125 $25,125 $193,969
Revolving Credit Facility(2) 28,593 637 27,956
Derivative Obligations(3) 8,204 4,903 2,272 1,029
Development Commitments(4) 50,793 48,923 1,270 600
Operating Leases(5) 2,843 951 1,507 342 43
Totals $347,215 $67,977 $58,130 $27,096 $194,012
| | | | |

(1) Amounts included in the table above include both principal and projected interest payments. See information presented in Note 6.
Indebtedness to the accompanying consolidated financial statements for additional information regarding our long-term debt.

(2) Amounts included in the table above include both principal and projected interest payments. See Note 6. Indebtedness to the
accompanying consolidated financial statements for additional information regarding our long-term debt. Giving effect to the Cortez
acquisition, the pro-forma amount outstanding under our revolving credit facility as of December 31, 2003 would be approximately
$152.0 million.

(3) Derivative obligations represent liabilities for derivatives that were valued as of December 31, 2003. The ultimate settlement amounts of
the remaining portions of our derivative obligations are unknown because they are subject to continuing market risk. See Item 7A.
Quantitative and Qualitative Disclosures About Market Risk and Note 11. Financial Investments to the accompanying consolidated
financial statements for additional information regarding our derivative obligations.

(4) Development commitments represent authorized purchases not placed to vendors, thus not accrued at year-end. These purchases are
authorized and expected to be made during 2004 unless circumstances change. Above amounts also include minimum transmission
payments for electricity.

(5) Operating leases represent office space and equipment obligations that have remaining non-cancelable lease terms in excess of one year.
See Note 4. Commitments and Contingencies to the accompanying consolidated financial statements for additional information regarding
our operating leases.
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Investing Activities. Cash used by investing activities decreased by $5.6 million from 2002 to 2003. This was due to offsetting changes in its
two primary components: acquisition of oil and natural gas properties, which decreased by $23.9 million; and development of oil and natural gas
properties, which increased $18.7 million. Cash used for the acquisition of oil and natural gas properties varies year to year based on our success
in acquiring oil and natural gas properties. Our bid price is a price we feel provides a certain level of return based on our expectation of future oil
and natural gas prices, while providing potential for some upside realization. Success in the acquisition market is largely driven by competition
in the marketplace and in the availability of properties for sale. During 2002, we were successful in completing two major property acquisitions,
one comprised of properties in the Paradox Basin of Utah and one comprised of properties in the Permian Basin of West Texas at a combined
cost of $78.6 million, while in 2003 we were successful in completing one major property acquisition of properties in the North Louisiana Salt
Basin of Louisiana at a cost of $54.6 million. The increase in cash used in the development of oil and natural gas properties of $18.7 was the
result of drilling 29 more gross wells (8.3 net) and the expansion of the HPAI project into the Little Beaver area of the CCA.

Capital Resources. Our primary capital resources are net cash provided by operating activities, and proceeds from financing activities which
are used to fund our capital commitments. Our primary needs for cash include our high-pressure air injection program in the CCA, acquisitions
of oil and natural gas properties, development and exploitation of our existing oil and natural gas properties, leasehold and acreage cost, funding
of necessary working capital, and payment of contractual obligations.

Operating Activities. For 2003, cash provided by operating activities increased by $32.3 million. This increase resulted from the $26.0
increase in net income coupled with an increase in deferred taxes of $11.8 million, offset by decrease in changes in operating assets and
liabilities from 2002 to 2003 of $6.4 million. The increase in net income was primarily due to increased production volumes and higher
commodity prices compared to 2002.

Financing Activities. During 2003 proceeds from financing activities was $17.3 million, while it was $80.7 million in 2002. In 2003, we
were able to close the initial ElIm Grove acquisition and subsequent interests for $54.6 million and fund our $99.0 million capital drilling
program with only a modest $13.0 million increase in our revolving credit facility. During 2002, however, we increased our debt by
$88.0 million to fund two property acquisitions, Central Permian and Paradox Basin, and fund $80.3 million in development expenditures.

Additionally during 2003, on November 13, 2003, we priced a public offering of 8.0 million shares of our common stock at a price to the
public of $20.25 per share. The underwriters 